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Summary of Report

This Report provides a comprehensive review of the current knowledge and recommended practices for
managing internal corrosion in carbon steel pipelines transporting dense phase CO2. The focus is on
understanding the synergistic effects of impurities and providing recommendations to avoid high corrosion rates.
Additionally, areas where knowledge of corrosion rates is limited and requires further investigation are identified,
along with the need for expanding knowledge on corrosion mechanisms and the development of new corrosion
models.

The Report highlights the importance of considering the combined presence of impurities, such as Oz, HzS, SOz,
and NOx, as they can significantly accelerate the corrosion of carbon steel pipelines. Synergistic effects among
these impurities have been observed, resulting in corrosion rates higher than the sum of those associated with
individual impurities. Therefore, best current practices are recommended to address these synergistic effects and
mitigate the risk of high corrosion rates.

Furthermore, the Report identifies certain conditions where knowledge of corrosion rates is limited and further
investigation is needed. These conditions may include specific combinations of impurities, varying
concentrations, and specific operating conditions. It is crucial to expand the understanding of these conditions to
enhance corrosion management strategies and develop targeted mitigation measures.

Additionally, the Report emphasizes the need for knowledge expansion in terms of corrosion mechanisms and
the development of new corrosion models. Understanding the underlying mechanisms behind the synergistic
effects of impurities and their interaction with the pipeline materials is essential for accurate corrosion prediction
and effective corrosion management strategies. The development of new corrosion models will enable more
reliable assessments and predictions of corrosion rates in dense phase CO: pipelines.

In conclusion, this Report provides valuable insights into managing internal corrosion in carbon steel pipelines
transporting dense phase CO:. By considering the synergistic effects of impurities, implementing best current
practices, investigating conditions with limited knowledge, and expanding corrosion mechanisms and models,
operators can enhance corrosion management strategies and ensure the integrity and reliability of CO:2 pipelines.
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1. INTRODUCTION

The transportation of CO2 (Carbon Dioxide) from the capture point to storage and utilisation sites is an integral
component of CCUS (Carbon Capture, Utilisation and Storage) projects. Whilst ships, trucks and trains can be
used to transport COz, pipelines are typically considered to be the most safe, reliable, and cost-effective method
for transporting CO2 [1], [2]. An understanding of the internal corrosion mechanisms present within CO2 pipelines
is required to manage and control internal corrosion and ensure that CO2 pipelines can be safely operated.

Pipeline transportation of CO2 over longer distances is typically regarded as most efficient and economical when
the COz is in either the compressible liquid or supercritical phases. This can be attributed to the larger density
associated with these phases in comparison with gaseous phase COz resulting in smaller frictional energy losses
along the pipeline [3]. Whilst it has been acknowledged that supercritical CO: offers superior pipeline transportation
properties in comparison with CO: in the gaseous phase, there is currently a poor understanding of internal
corrosion mechanisms in supercritical COz2 pipelines. Whilst it has been acknowledged by many operators that the
formation of a free water phase in a supercritical COz pipeline can result in severe corrosion rates, there is currently
limited understanding of the effects that other impurities may have on internal corrosion rates. Given that many
Australian Oil and Gas operators are interested in operating CO2 pipelines, the information presented in this paper
can be used by Australian Oil and Gas operators to carefully manage and control corrosion in their CO2 pipelines.

The purpose of this paper is to review the available information in literature in relation to corrosion in supercritical
CO: pipelines. This review will focus on the effect of impurities on supercritical CO2 pipeline corrosion rates and
discuss any potential synergistic effects between impurities that result in a significant increase in corrosion rates.
Impurity specifications from CO2 pipelines in the United States of America (USA) along with impurity level
recommendations from literature and standards will also be presented. The effect of pressure, temperature, flow
rate and localised corrosion on the overall corrosion rate will also be briefly reviewed. Industry interviews will also
be conducted, so that an understanding of the impurities that Australian CO:2 pipeline operators are most concerned
about can be developed.

By summarising the available information in literature in relation to supercritical CO2 pipeline internal corrosion, this
paper can be used by operators as a guide for managing and controlling corrosion. The literature review will also
enable the current knowledge gaps associated with supercritical CO2 pipeline transport to be identified. By
identifying both the knowledge gaps in our current understanding of CO: pipeline corrosion and the impurities that
Australian CO2 pipeline operators are most concerned about, new research opportunities can be identified that will
close the knowledge gaps that are of concern to industry.

2. CO2 PHASE BEHAVIOUR

CO: is typically transported through pipelines as a dense phase fluid. For the purpose of this report, a dense
phase fluid will be considered to be a fluid with a pressure that is larger than its critical pressure. A fluid in its
dense phase can either be behaving as a compressible liquid, or a supercritical fluid. A supercritical fluid will be
considered to be a fluid with a pressure and temperature that exceeds the critical pressure and temperature of
the fluid. Figure 1 presents a phase diagram of pure COz2. The critical pressure and temperature of CO2 has been
indicated on this phase diagram.
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Figure 1. Phase diagram of pure CO2. The data used to construct this phase diagram was extracted from
Witkowski et al [4]. The critical properties of pure CO2 were extracted from Peletiri et al [5].

It is important to note that the properties associated with CO2 mixtures will vary as the mixture composition
changes. This means that both the critical point and the phase diagram of the mixture will be dependent on its
composition. Whilst the focus of this report is internal corrosion in supercritical CO2, unplanned pipeline
depressurisation and process upsets can result in phase changes associated with the pipeline fluid. The effect of
phase changes associated with pipeline depressurisation and process upsets on corrosion rates will also be
briefly discussed in this report.

3. IMPURITIES FROM COMMON CARBON CAPTURE SYSTEMS

The impurities that can result in corrosion in supercritical CO2 pipelines are often introduced into the CO2 stream
during the carbon capture process. It is essential that CO2 pipeline operators understand the impurities that may
be present in their CO2 pipelines so that they can carefully manage and control internal corrosion.

Post-combustion capture, pre-combustion capture and oxy-fuel are the three main process routes for capturing
COz2 from power plants [6]. The composition of a CO2 pipeline will be directly dependent on the CO2 source and
carbon capture technology that has been employed. Table 1 provides a summary of the expected concentration
of impurities in a dried CO:2 stream from post-combustion, pre-combustion and oxyfuel carbon capture processes
on both coal-fired and gas-fired plants [7]. Table 1 can be used by operators to understand the impurities that
may be present in CO2 captured from power plants.
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Table 1. Summary of the expected CO2 impurity concentrations associated with the most common carbon
capture processes on coal and gas-fired plants [7]. It has been assumed that the CO2 streams produced from
these carbon capture processes have been dehydrated.

No/Ar/ | Total Amount
Capture SO, | NO | HsS | H, | CcO | CHa 2(’) 4 roral puri‘ii‘jas
Pr vol%] | [vol%] | [vol%] | [vol%] | [vol%] | [vol% 2
ocess [vol%] | [vol%] | [vol%] | [vol%] | [vol%] | [vol%] [volo] [vol%]
Coal-Fired Plants
Post-
Combustion <0.01 <0.01 0 0 0 0 0.01 0.01
Capture
Pre-Combustion 0 0 0.01-06 | 0.8-2.0 | 0.03-04 | 001 | 0.03-06 2.1-2.7
Capture
Oxy-Fuel 0.5 0.01 0 0 0 0 3.7 4.2
Gas-Fired Plants
Post-
Combustion <0.01 <0.01 0 0 0 0 0.01 0.01
Capture
Pre-Combustion
Capture - - <0.01 1.0 0.04 2.0 1.3 4.4
Oxy-Fuel <0.01 <0.01 0 0 0 0 4.1 4.1

The level of impurities that can be expected in CO:2 streams derived from other anthropogenic sources, such as
the steam methane reforming (SMR) process, are likely to be significantly different [8]. It is essential that strict

impurity level requirements are developed for CO: pipelines regardless of the source of CO2. Table 2

summarises the CO2 stream composition expected for CO2 that has been produced from the SMR process and
subsequently captured. The DYNAMIS CO2 composition values presented in Table 2 correspond to the CO2
mixture impurity levels expected for CO2 that has been produced through the SMR process, captured using the
activated methyl diethanolamine (MDEA) process, and then dehydrated and compressed [9]. The Port Arthur
CO2 composition values correspond to the composition of CO2 produced in an industrial scale SMR and carbon
capture process that is operated by Air Products at Port Arthur [8], [10]. It should be noted that both water and
hydrogen sulphide (H2S) have not been included in the Port Arthur CO2 composition data, even though both of
these components are expected to be responsible for major integrity threats at typical CO:2 pipeline transportation

pressures, and it is expected that some H2S will leak into the CO2 mixture [8].

The impurity levels presented in Tables 1 and 2 should only be used as a guideline. The CO2 mixtures produced
from each carbon capture process can be purified further than the impurity levels presented in Tables 1 and 2,
although larger capture costs would be incurred. Table 3 presents maximum impurity levels recommended in the
literature for CO2 pipelines, whilst Table 4 presents a summary of the maximum impurity levels used for existing
CO:2 pipelines in the USA. Furthermore, Table 5 presents the planned CO:2 pipeline specifications for the ARAMIS
project, which is a project that revolves around transporting CO:2 captured from hard-to-abate industries and
storing it in depleted offshore gas fields under the Dutch North Sea.

RP3.4-10 Literature Review of the Effects of Common Impurities Found in High Density CO2

Pipelines on the Rate of Internal Corrosion




Table 2. Summary of CO2 mixture composition data for CO: that has been produced by the SMR process and
subsequently captured. The DYNAMIS CO2 composition values represent the expected impurity levels in a CO2
stream produced by capturing and purifying the CO2 produced in the SMR process using an activated MDEA
process and dehydration [9]. The Port Arthur CO2 composition values correspond to the composition of the CO2
stream produced by the SMR process at Port Arthur [10].

DYNAMIS. Frelee: [Byponict Port Arthur CO Stream
Component Composition of CO, Stream [10]
Produced by SMR Process [9]
H20 [ppm Unless Stated] 400 -
CO:z2 [vol% Unless Stated] 99.75 98.11 mol%
MDEA [ppm] 0 -
MEA (Monoethanolamine) [ppm] 0.1 -
CH4 [ppm Unless Stated] 130 10800
Hz [ppm Unless Stated] 1950 1600
CO [ppm Unless Stated] 4.6 2000
Nz [ppm Unless Stated] 24 4600
TEG (Triethylene glycol) [ppm] 0.2 -

Table 3. Summary of the maximum impurity levels recommended for CO:2 pipelines by a wide range of literature
studies [11].

. DYNAMIS g Literature CarbonNet @
Impurity | proiect@pep | NETL ©[12] Review [13] 9], [14]
H20 [ppmv] 500 500 20-650 100
HaS [ppmv] 200 100 20-13000 100
CO [ppmv] 2000 35 10-5000 i
O2 [ppmv] < 40000 10 100-40000 -

NOx [ppmv] 100 100 20-2500 i
SOx [ppmv] 100 100 10-50000 -
Notes

1. DYNAMIS was an integrated European project that investigated the composition requirements for CO:2 pipeline
transportation applications.

2. NETL (National Energy Technology Laboratory) issued a report that summarises the recommended impurity
limits for COz pipeline transportation streams.

3. CarbonNet is a project exploring the feasibility of a commercial scale CCS network in Victoria, and they have
developed a preliminary CO2 specification for its CCS hub-based network.
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Table 4. Summary of the maximum impurity levels associated with existing CO: pipelines in the USA [11], [12].

Impurity Cacn:g;)rrilelr?seef CerI;'Elroa(;I”Bnaesin Cortex Pipeline Weyburn
H20 [ppmv] 122 630 630 20
H2S [ppmv] <260 <26 20 9000
CO [ppmv] - - - 1000
Oz [ppmv] - <14 - <70
NOx [ppmv] - - - R

SOx [ppmv] - - - -

Table 5. Summary of the CO2 composition specification selected for the proposed ARAMIS project [15].

Component Constraint Unit Specification
CO2 Larger Than mol% 95
H20 Less Than ppm mole 70
N2 Less Than mol% 2.4
Oz Less Than ppm mole 40
H2 Less Than ppm mole 7500
Ar Less Than mol% 0.4
CHa4 Less Than mol% 1
CO Less Than ppm mole 750
O2+ N2 + H2 + Ar+ CHs + CO Sum Less Than ppm mole 40000
NOx Sum Less Than ppm mole 2.5
H2S Less Than ppm mole 5
L3 SRS U | sy ess Than | pom ol 2
Amine Less Than ppm mole 1
Aldehydes Sum Less Than ppm mole 10
Carboxylic Acids and Amides Sum Less Than ppm mole 1
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Phosphorous-Containing Sum Less Than ppm mole 1
Compounds
NHs Less Than ppm mole 3
HCN (Hydrogen Cyanide) Less Than ppm mole 2
Total Volatile Organic Compounds
(Excluding Methanol, Ethanol and Sum Less Than ppm mole 10
Aldehydes)
Methanol Less Than ppm mole 620
Ethanol Less Than ppm mole 20
C2+ (Aliphatic Hydrocarbons) Sum Less Than ppm mole 1200
Aromatic Hydrocarbons Sum Less Than ppm mole 0.1
Glycol specification will
be selected by
Glycols (TEG) Sum Less Than - following a dew point
specification @

Notes

6. The maximum tolerable mole fraction of glycols has been selected to be the mole fraction where the
mixture dew point is -10 °C at 20 bar (As measured or predicted using the Cubic Plus Association
equation of state).

The impurities reported in Tables 1 to 5 will be used as a basis for the impurities considered in this paper. Other
impurities that have been established to increase corrosion rates in supercritical CO2 pipelines will also be
discussed.

4. PIPELINE CORROSION IN CO2-H20 SYSTEMS

DNV-RP-F104 (Design and operation of carbon dioxide pipelines) and ISO 27913 (Carbon dioxide capture,
transportation and geological storage) have been identified as the main two standards for the design of CO2
pipelines [3], [16]. ISO/TR 27921 is a technical report released by the International Organization for
Standardization (ISO) that discusses dense phase internal corrosion [11]. Internal corrosion in CO2-H20 systems
have been discussed in all of these standards and reports.

DNV-RP-F104 has indicated that internal corrosion represents a significant risk to the integrity of CO: pipelines if
there is insufficient dewatering of the pipeline fluid [3]. This standard indicates that a combination of the formation
of a free water phase and a high CO: partial pressure can result in severe corrosion rates due to the formation of
carbonic acid. DNV-RP-F104 recommends that the water content level of the CO:z is carefully monitored and
controlled to ensure that a free water phase cannot form at any location along carbon steel pipelines during both
steady state operation and pipeline depressurisation and process upset events. Whilst this standard has
suggested that careful material selection can be used to significantly decrease internal corrosion rates in CO:2
pipelines with a free water phase, this is not a feasible design strategy for projects where existing subsea
hydrocarbon pipelines are being repurposed into subsea CO: pipelines.

ISO 27913 has recommended that the maximum water concentration associated with the CO: pipeline mixture is
determined such that corrosion rates are within the design margins [16]. This standard has suggested that the
maximum water concentration will be dependent on the pipeline operating conditions, and that water
specifications should be made on the basis of relevant operating experience, experimental data and reliable
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verified corrosion models [16]. Using existing onshore CO:2 pipelines in the USA as a basis, ISO 27913 has
recommended that the maximum allowable water content of the pipeline mixture is specified to be between 20
and 630 ppmv. However, the CO:2 fluid that is typically transported through CO: pipelines in the USA tends to be
relatively pure as it is captured from natural gas, which means that this recommendation is not necessarily
applicable for CO2 captured from other sources due to the presence of other impurities. The large range in the
recommended pipeline allowable water content can be attributed to the synergistic effects between impurities,
and due to a lack of data and current understanding in COz2 pipeline corrosion mechanisms [16]. This means that
the maximum allowable water content will be dependent on the concentration of the other impurities in the
mixture. Both DNV-RP-F104 and ISO 27913 have indicated that there are currently not any reliable models for
predicting corrosion rates in CO2 pipelines that are being operated at both high pressure and with a free water
phase [3], [16]. However, there is active research in this area.

ISO/TR 27921 has indicated that water dissolved in the dense phase CO:2 stream is not corrosive, and pipeline
free water formation is required to produce a corrosive mixture [11]. This technical report has suggested that
carbon steel can suffer general and pitting corrosion in wet CO2 mixtures at rates of more than 1.0 mm/year, and
that experimental studies show that corrosion rates in dense phase CO2-H20 mixtures increase with increasing
temperature [11]. Under extreme conditions, ISO/TR 27921 has suggested that extremely large corrosion rates
that exceed 30 mm/year can occur when steel is exposed to significant amounts of condensed water [11].
ISO/TR 27921 has also stated that the solubility of water in dense phase CO2 decreases with decreasing
pressure and temperature [11]. This result suggests that water drop out and significant corrosion rates could
occur during process upset events that result in significant reductions in CO2 mixture pressure and temperature.
Whilst it has been acknowledged by ISO/TR 27921 that a protective Iron Carbonate (FeCO3) corrosion product
film can form when the concentration of dissolved corrosion products in the mixture become large, the technical
report has indicated concerns about the failure in this film resulting in high localised corrosion rates [11].

A brief literature review of corrosion in dense phase CO:2 systems has also been provided in Annex A of

ISO/TR 27921. Annex A has suggested that both laboratory experiments and field experience have confirmed
that very low corrosion rates have been detected in dense phase CO: pipelines that have been operated in the
range 20 ppmv to 650 ppmv [11]. This water impurity range is consistent with the water specifications used for
current operating onshore COz2 pipelines in the USA that were discussed in ISO 27913 [16]. Whilst ISO/TR 27921
has identified that thermodynamic models for predicting the formation of a free water phase in dense phase CO:2
systems can be used, these models cannot be extended to more complicated mixtures that have other
components [11].

All of the standards and technical reports have indicated the importance of free water formation on corrosion in
dense phase CO2 systems. The solubility of H20 in COz2 refers to the maximum amount of H20 that can dissolve
into the CO2-rich phase at a particular pressure and temperature. A free water phase will form in a CO2-Hz20
system when the global water concentration of the system exceeds the solubility of water in the CO2-dominant
phase. Since corrosion in supercritical CO2 systems relies on the formation of a free water phase, an
understanding of the solubility of water in supercritical CO: pipelines is important.

Choi and NeSi¢ have completed extensive studies on the mutual solubilities of CO2 and H20 in the two co-
existing phases, and they have used the results from these studies to predict the equilibrium concentration of
corrosive species in the free water phase as a function of pressure and temperature [17]. Figure 2 presents both
experimental data and the outputs from a thermodynamic model for the solubility of water in dense phase CO2
[17]. The solubility of water in dense phase CO2 was considered at temperatures of 20 °C, 25 °C, 50 °C and

75 °C in this Figure.

The thermodynamic model used in this paper was based on both the NeSi¢ model [17], [18] (Which models the
chemistry of the water-rich phase) and the Spycher model [17], [19] (Which enables modelling of the mutual
solubilities of CO2 and H20). The Nesi¢ model uses pressure and temperature dependent equilibrium constant
expressions for the carbonic acid formation and dissociation reactions to calculate the concentration of corrosive
species in the free water phase [17], [18]. The Spycher model uses the Redlich-Kwong (RK) equation of state
(EOS) in conjunction with chemical potential equality calculations to model the temperature and pressure
dependence of the mutual solubility of CO2 and H20 [17], [19].

Figure 2 indicates that in the supercritical region, an increase in system pressure results in an increase in the

solubility of H20 in the supercritical CO2 phase. This Figure also suggests that the solubility of water in
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supercritical COz is larger in comparison with the compressible liquid and regular liquid phases. This result
suggests that phase changes in a supercritical CO2 pipeline could result in the formation of a corrosive free water
phase. The data also indicates that the solubility of water in the supercritical CO2 phase increases as the system
temperature increases from 50 °C to 75 °C.
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Figure 2. Experimental data and thermodynamic model outputs for the solubility of water in CO2 [17]. The red
curves correspond to the outputs from the thermodynamic model, whilst the black curves are experimental data
points. The dense phase CO: region at each temperature condition lies to the right of the vertical dotted line.

Although there is strong agreement between the selected thermodynamic model and the experimental data for
the solubility of water in supercritical CO:2 at relatively low temperatures, Figure 2 indicates that the
thermodynamic model is diverging away from the experimental data above 75 °C.

The relationship between solubility of the solubility of water in CO2 and pressure and temperature has also been
explored using thermodynamic software. Figure 3 presents the relationship between the solubility of water in CO2
in a H20-CO2 mixture and pressure and temperature, as calculated by the OLI software. The outputs produced
by the software appear to match the solubility behaviour depicted in Figure 2.

It should be noted that the solubility of water in CO2 will be directly affected by the presence of other impurities in
the mixture. The effect of other impurities on the solubility of water in CO2 will be discussed later in this Report.
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Figure 3. Presents a plot of the relationship between the solubility of water in CO2 in a H20-CO2 mixture, and the
pressure and temperature of the mixture [20]. This plot was constructed using the thermodynamic software OLI.

Choi and Nesi¢ have argued that the solubility of COz2 in the aqueous phase is also important because this will
have a direct impact on the corrosivity of any free water phase that has formed [17]. Carbonic acid will only form
in the free water phase when both H20 and CO: are present in that phase. The solubility of CO2 in a free water
phase has been studied by multiple authors. Figure 4 presents the solubility of CO2 in water using the
experimental data and thermodynamic model used by Choi and NeSi¢ over a wide range of pressure and
temperature values [17].

Figure 4 suggests that the thermodynamic model provided a good fit to the experimental data over the entire
temperature and pressure range considered. It was noted by Choi and Nesi¢ that the solubility of CO:z in the
aqueous phase was much larger in comparison with the solubility of water in the CO2-rich phase [17]. Figure 4
also suggests that the solubility of CO2 in water increases as the pressure of the system increases, and that the
CO:2 solubility decreases as temperature increases.

Choi and Nesi¢ used the outputs from their thermodynamic calculations in conjunction with aqueous chemistry
models to generate curves for the equilibrium carbonic acid concentration and pH within the free water phase as
a function of pressure and temperature. Figures 5 and 6 presents the effect of pressure and temperature on the
equilibrium carbonic acid concentration and pH within the free water phase respectively. A larger solution pH is
indicative of a more corrosive pipeline mixture.
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Figure 4. The solubility of CO2 in the aqueous phase in a CO2-H20 system [17]. The red curve and the black
dots correspond to the curve that was produced using the thermodynamic model and the experimental data
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Figure 6. The effect of pressure and temperature on the equilibrium pH of the free water phase in a CO2-H20
system [17].

Figure 5 suggests that the equilibrium carbonic acid concentration in the aqueous phase increases as pressure
increases, whilst this concentration value decreases as temperature increases [17]. Figure 6 shows that the
solution pH decreased with an increase in pressure and increased as the system temperature increased [17].
This means that an increase in system pressure results in a more corrosive free water phase.

Halseid et al. has suggested that both field experience from the USA and lab experiments indicate that corrosion
rates are insignificant when the water content is well below the solubility limit, which is consistent with the
information provided in the CO2 pipeline industry standards and technical reports [20]. The National Energy
Technology Laboratory (NETL) has stated that corrosion does not occur in “rigorously dry CO2” [12]. A study
completed by Dugstad et al. suggested that corrosion does not take place in a dense phase CO2-H20 system
with a water content of 500 ppmw (1221 ppm mole) [22], and this claim has been supported by other authors.
Figure 7 presents the average corrosion rate of carbon steel in water-saturated supercritical CO2 and under-
saturated supercritical CO2z at 50 °C and 80 bar for an experimental test that was run for 48 hrs [23]. Figure 8
presents the relationship between the average corrosion rate of carbon steel for supercritical CO2 at 35 °C and
80 bar and the water content of the CO2 mixture [23].
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Figure 7. Average pitting and general corrosion rates of carbon steel in a supercritical CO2-H20 mixture at 50 °C
and 80 bar [23]. The experimental tests used to collect the data in this plot were completed had a duration of

48 hrs. The water-saturated mixture experimental testing used a supercritical CO2-H20 mixture with a water
concentration of 3400 ppm mole because the Spycher mutual solubility model indicates that 3400 ppm mole is
the solubility of water in supercritical CO2 at 50 °C and 80 bar [19], [23].

10

i o 3 '

0.1 f I

Corrosion Rate [mm/yr]

1200 1770 Water Saturated
Water Content (ppm) Mixture
B General Corrosion Rate M Average Pitting Rate

Figure 8. Average pitting and general corrosion rates of carbon steel in a supercritical CO2-H20 mixture at 35 °C
and 80 bar [23]. The water-saturated mixture experimental testing used a mixture with a water concentration of
3437 ppm mole because the Spycher mutual solubility model indicates that this is the solubility of water in
supercritical COz at 35 °C and 80 bar [19], [23].

The key findings from the results presented in Figures 7 and 8 and the work completed by Hua et al. are as
follows:

7. In water-saturated CO:2 at 50 °C, 90 % of the carbon steel surface did not show any signs of corrosion,
and the dominant corrosion mechanism was pitting corrosion [23].

8. In water-saturated CO: at 35 °C, the entire carbon steel surface had suffered from corrosion and
uniform corrosion rates were significantly larger in comparison with the 50 °C experimental testings [23].

9. Most importantly, the results suggest that a temperature reduction from 50 °C to 35 °C can result in
pitting and uniform corrosion at lower water concentrations that lie well below the water saturation
condition, and that localised corrosion rates can be over an order of magnitude larger in comparison
with the average steel corrosion rate [23].
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Many other authors have also investigated corrosion in saturated and undersaturated supercritical CO2-H20

systems. Table 6 provides a summary of the key experimental results when investigating localised corrosion in
saturated and undersaturated supercritical CO2-H20 systems. Table 7 provides a summary of the key
experimental results obtained by other authors when investigating the rate of uniform corrosion in saturated and
undersaturated supercritical CO2-H20 systems. For comparison purposes, the results from the study completed
by Hua et al. have also been added to both tables.

Table 6. Summary of the experimental results obtained by scholars who investigated the rate of localised
corrosion in saturated and undersaturated supercritical CO2-H20 systems.

Authors CO2 Water . Localised
- Pressure Temperature Content Flow Rate [rpm Exposure Corrosion Coraslan
[°C] Unless Stated] | Time [hrs] | Test Method
Reference [bar] [ppm mole] Rate [mm/yr]
=900 Average = 0.22
Maximum = 0.65
= 1800 Average = 0.30
Maximum = 0.64
. = 2600 . Average = 0.22
Sim et al. Stagnant Static . _
[25] 80 40 Conditions 168 Autoclave Maximum = 0.55
= 3500 Average = 0.22
Maximum = 0.65
Water Average = 0.19
Saturated Maximum = 0.50
CO2
300 0
700 =0.29
1770 = 0.62
Hua et al. Stagnant Static
[23] 80 35 2800 Conditions 48 Autoclave = 0.85
Water =0.92
Saturated
CO; (3437
ppm mole)
700 No Attack
1600 No Attack
Hua et al. 2650 Stagnant Static 0.20
[23] 80 50 Conditions 48 Autoclave
Water 1.99
Saturated
CO2 (3400
ppm mole)
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Table 7. Summary of the experimental results obtained by scholars who investigated uniform corrosion rates in
saturated and undersaturated supercritical CO2-H20 systems.

Authors CO2 Water . Uniform
and Pressure Temperature Content Flow Rate [rpm | Exposure Corrosion Corrosion
[°C] Unless Stated] | Time [hrs] Test Method
Reference [bar] [ppm mole] Rate [mm/yr]
Water
. Saturated CO2
l\(l::;l’:?gg] 80 50 (Approximately Csc;ﬁg;:;rr:ts 24 Static Autoclave =04
3400 ppm
mole)
244 0.08
488 0.07
732 0.06
Sim et al. Stagnant .
[25] 80 40 Conditions 168 Static Autoclave
976 0.08
1220 0.08
3660 0.08
300 0.004
700 0.005
1200 0.012
Hua et al.
[23] 80 35 1770 Stagn _ant 48 Static Autoclave 0.028
Conditions
2800 0.068
Water
Saturated CO2 =0.1
(3437 ppm
mole)
700 No corrosion
1600 No corrosion
Hua et al. Stagnant .
(23] 80 50 2650 Conditions 48 Static Autoclave 0.014
Water
Saturated CO2 =~ (0.024
(3400 ppm
mole)
244 Usin 1.2
A;/lel[lgfﬁt 75.8 40 ngﬁgirt]g?]ts 5 Electrochgmical
) 2440 Impedance 2.3

Spectroscopy in
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conjunction with
an autoclave.

995 rpm (Which is
equivalent to an
outer coupon
surface rotation

Autoclave
equipped with a

Zhang et Water magnetic stirrer
al. [27] 95-182 50-130 Saturated CO> speed of 4mis, 96 and a coupon at 0.014-0.043
resulting in the
4 the end of the
CO:2 mixture
S shaft.
experiencing
turbulent flow).
Autoclave
equipped with a
Cabrini et Water mechanical
al. [28] 123-146 25-60 Saturated CO; 180 48-400 stirrer rotating in 001-01

the free water
phase.

Most of the results in Table 7 indicate that uniform corrosion rates are relatively low (Less than 0.08 mm/yr) when
the mixture water content lies below the solubility limit of a CO2-H20 mixture [28]. It should be noted that the
results obtained by Ayello et al. are inconsistent with the results produced by other authors, as they measured a
corrosion rate of 1.2 mm/yr in an undersaturated supercritical CO2-H20 system with only 244 ppm mole of water
[26]. Given that CO:2 pipelines in the USA operate under strict water impurity specifications to prevent free water
formation (COz pipelines in the USA are typically operated with a water content of less than 600 ppm) and the
corrosion rate has been measured to be between 0.00025 and 0.0025 mm/year in these pipelines, the
experimental corrosion rate data produced by Ayello et al. is inconsistent with the corrosion rates measured in
the field [30]. The experimental results obtained by the other scholars are more consistent with CO2 pipeline
operational experience in America, and the expected corrosion behaviour for CO2 pipeline systems presented in
DNV-RP-F104 and ISO 27913.

Whilst the results produced by Hua et al. indicate that uniform corrosion rates rapidly increase as the water
content of a CO2-H20 mixture increases and the COz-rich phase becomes saturated [23], there was a minimal
increase in uniform corrosion rates as the COz-rich phase became saturated [25]. Sim et al. argued that the
minimal increase in uniform corrosion rate between 976 and 3660 ppm mole water can be attributed to a
protective corrosion scale (In the form of iron carbonate, FeCOz) being most effective over this composition
range at decreasing corrosion rates [25]. The formation of a protective FeCOs layer has significant effects on the
overall general corrosion rate of steel because it has been shown that a FeCOz3 layer can reduce the corrosion
rate of steel by over two orders of magnitude [28], [31]. The significant impact that the formation of a FeCOs layer
has on corrosion rates at the steel surface can be attributed to the FeCOs film acting as a diffusion barrier to
electrochemically active species and a surface coverage effect that results in the FeCOs crystals adhering to the
substrate [28]. Sun et al. have developed a unified model for predicting FeCOs precipitation that accounts for
both temperature and ionic strength and correlates well with experimental data [32]. Their model suggests that
the tendency for FeCQOs precipitation increases as the system temperature increases. Since this model indicates
that the FeCOs precipitation is a direct function of ionic strength [32], the tendency of FeCOs to precipitate out as
a solid will be dependent on the presence of other impurities in the pipeline mixture.

By studying the corrosion behaviour of carbon steels in a supercritical CO2-H20 mixture over an exposure time of
between 24 and 120 hrs, it has been shown that an increase in the sample exposure time results in a significant
reduction in the average general corrosion rate [31]. A visual inspection of the morphology and composition of
the corrosion products revealed that the surface of the sample was covered by a dense and crystalline layer of
FeCOs [31]. Both Choi et al. and Wei et al. have argued that these results can be attributed to the gradual
formation of the FeCOs layer resulting in a reduction in corrosion rates over time [30], [31]. This result indicates
that the formation of a protective corrosion layer can result in a reduction in supercritical CO2 pipeline corrosion
rates over time.

RP3.4-10 Literature Review of the Effects of Common Impurities Found in High Density CO2
Pipelines on the Rate of Internal Corrosion




Regardless of whether a supercritical CO2-H20 mixture is undersaturated or saturated with water, Tables 6 and 7
indicate that pitting corrosion rates were much higher in comparison with the general corrosion rates [30]. These

results suggest that pitting corrosion is the most dominant corrosion mechanism in undersaturated and saturated
CO2-H20 systems [30].

In supercritical CO2-H20 mixtures that contain a significant amount of water, the main phase present is the free
water phase [30]. This free water phase will contain dissolved supercritical CO2. Choi and NeSi¢ investigated the
corrosion rate of carbon steels in a supercritical CO2 mixture with a free water phase, and they showed that
corrosion rates as high as 20 mm/year can be expected in the CO2 saturated water-rich phase at 50 °C and

80 bar [24]. This corrosion rate is far faster in comparison with their measured CO2-phase corrosion rate
presented in Table 7, which highlights the acceleration of corrosion rates induced by the formation of a free water
phase.

The severe corrosion rates identified by Choi and Nesi¢ for supercritical CO2-H20 mixtures that contain a free
water phase has also been detected by many other scholars. Figure 9 presents a comparison of the corrosion
rates experienced by carbon steels in water-saturated supercritical CO2 and supercritical COz-saturated water
phase systems that do not contain any other impurities [30]. Figure 9 clearly highlights the extreme corrosion
rates than can be present in CO2-H20 mixtures that contain a free water phase that is saturated with water.
These extreme corrosion rates highlight the importance of carefully controlling the water content of CO:2 pipeline
mixtures.
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Figure 9. Comparison of the general corrosion rate in supercritical CO2-H20 systems that contain a water-
saturated supercritical CO2 phase, and systems that contain a free water phase that is saturated with
supercritical CO2 [30]. The graph was constructed by Wei et al. [30] and created using the experimental data
produced by a wide range of scholars [27], [28], [31], [34], [35], [36].

Multiple authors have studied the effect of exposure time on the general corrosion rates in supercritical CO2-H20
water mixtures [30]. Zhang et al. investigated the effect of exposure time on the general corrosion rate of X65
pipeline steel in CO2-saturated water at 80 °C and 95 bar [30], [38]. The results from their study have been
presented in Figure 10. This Figure suggests that corrosion rates were extremely large (Approximately 28 mm/yr)
after 2 hours of immersion, and Wei et al. have argued that the extreme corrosion rate at the beginning of the
experimental testing can be attributed to no protective scale formation [30]. The Figure suggests that corrosion
rates decreased rapidly over the 2 hr to 50 hr immersion time range [30], and Zhang et al. have indicated that this
can be attributed to surface passivation by corrosion scales formed at the steel surface [38]. It should be noted
that whilst a dense corrosion scale had formed after 96 hrs, corrosion rates in the CO2-saturated water phase
remained above 5 mm/yr [38].
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Figure 10. Presents the effect of immersion time on the corrosion rate of X65 pipeline steel in a supercritical
CO2-H20 mixture at 80 °C with a COz-saturated free water phase [38].

The NORSOK [39] and KSC models [40] are often used to predict the corrosion rate of steel in CO2
environments, but they do not provide accurate corrosion rate predictions in supercritical CO2 pipelines [30]. The
poor predictive capacity of the NORSOK and KSC models in water-saturated supercritical CO2 mixtures was
extensively studied by Seiersten [36]. Whilst the experimental work conducted by Seiersten indicated that the
corrosion rates of X65 steel in water saturated with supercritical CO2 at 75 to 90 bar and 40 °C ranged from
between 1 mm/yr and 6 mm/yr, the NORSOK and KSC models predicted corrosion rates of 17 and 10 mm/yr,
respectively [30], [36]. The significant discrepancy between the model outputs and the experimental results
suggest that these models are not even capable of providing an indication of the potential corrosion rate in
supercritical CO2-H20 mixtures [36].

5. PIPELINE CORROSION IN TERTIARY CO2 MIXTURES THAT CONTAIN
WATER

5.1 CO2-H20-NOx MIXTURES

It has been noted by many authors that the presence of NOx in supercritical CO2 pipelines can result in severe
pipeline steel corrosion rates. The term “NOx” is being used in this Report to refer to both nitric oxide (NO) and
nitrogen dioxide (NO2).

DNV-RP-F104 has identified NOx as an impurity that can compromise the integrity of CO:z pipelines. This
standard has indicated that NOx can participate in cross-chemical reactions that result in the formation of
corrosive nitric acid (HNO3) [3]. DNV-RP-F104 has also suggested that the presence of NOx will result in the
solubility of water in the supercritical CO2 phase changing [3]. This means that the presence of NOx will affect the
pressure and temperature conditions that the formation of a corrosive free water phase can be expected.

DNV-RP-F104 has noted that laboratory experiments have shown that corrosion can occur in the presence of
impurities such as NOx in systems with low water content, including systems with a water content that lies below
the solubility limit of water in supercritical CO2-H20 mixtures [3]. DNV-RP-F104 has suggested that the corrosion
mechanisms in CO2-H20-NOx mixtures are not fully understood, although the standard has argued that NOx is
likely to form acids that can result in severe corrosion rates in combination with only a small fraction of free
water [3].
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ISO 27913 has also noted that the presence of NOx as an impurity in a CO2 pipeline can result in the formation of
a free water phase containing strong acids that can significantly increase corrosion rates [16]. This standard has
highlighted the experimental work completed by Dugstad et al. [41] as validation of the risks of nitric acid
formation in CO2-H20-NOx mixtures. ISO 27913 has also noted that there is experimental evidence that nitric
acid formation can occur at NOx concentrations of less than 50 ppmv [16].

ISO/TR 27921 has highlighted similar concerns to DNV-RP-F104 and ISO 27913. ISO/TR 27921 has suggested
that the extent of nitric acid formation and condensation will be strongly dependent on both the composition and
the temperature of the CO2 mixture [11]. ISO/TR 27921 has argued that an aqueous nitric acid phase can form at
water contents of less than 100 ppmv, and it has flagged NOx as one of the most aggressive impurities in CO2
pipelines from a corrosion point of view [11]. ISO/TR 27921 has also noted that 